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INTRODUCTION

This report contains a collection of five individual reports that were
prepared by The National Regulatory Research Institute (NRRI) for the
Colorado Public Utilities Commission (PUC). The Colorado PUC requested
that the NRRI perform a series of analyses in relation to various electric
utility costing and pricing issues and power pooling arrangements. These
areas of inquiry resulted from a generic regulatory proceeding held by the
Colorado PUC (Case No. 5693) during which the commission explored the above
mentioned topics. The selected areas of inquiry are also a natural
outgrowth of the federal government's implementation of the Public Utility
Regulatory Policies Act of 1978 (PURPA). This act covers essentially the
same topics as those of the Colorado PUC's generic proceeding. Therefore,
an investigation of the topics presented in this report served the Colorado
Commission in meeting its obligations under PURPA as well as aiding the
commission in implementing the decision that concluded its generic

regulatory proceedings.

The Request for Technical Assistance

On July 13, 1976 the Colorado PUC initiated a generic proceeding to
consider a number of issues relating to jurisdictional electric utilities’
rate structures., The commission concluded its generic proceeding with
Decision No. C79-1111 issued on July 27, 1979. 1In the interim, the United
States Congress enacted PURPA which requires consideration and
determination of various electric utility rate standards by state public
utility commissions. Substantial progress was made in the Colorado
decision toward full compliance with the PURPA rate standards. However,
the commission noted in its decision that a considerable amount of
additional infofmation, methodology studies, and training of commission

staff would be needed before it could properly implement its decision.



In that regard, the Colorado PUC contracted with the NRRI to complete
a series of reports dealing with the certain electric utility rate
structure issues. These issues include development of a method for
selecting costing periods for electric utility time-of-use rates,
development of a method for determining the costs and benefits of electric
utility time-of~use rates, assessing the reasonableness of interruptible
rates proposed by Colorado electric utilities, and a review of power

pooling arrangements of major Colorado electric utilities,

Development of the Reports

Over the past year, the NRRI has worked with the staff of the Colorado
PUC to collect data and information and to develop reports dealing with
each of the above mentioned issues. Various members of the NRRI staff and
its consultant have also traveled to the Colorado commission to provide
training to the commission's staff in the areas of methods for selecting
costing periods for electric utility time-of-use rates, a method of
determining the costs and benefits of electric utility time-of-use rates,
and a method for assessing the benefits of Colorado electric utility power

pooling arrangements.,

The following sections of this report contain the individual reports
prepared for, and presented to, the Colorado PUC. The NRRI is presenting
these reports as a single volume because it is felt that the issues
involved are sufficiently generic in nature to provide useful information
to the various state public utility commissions and to the regulatory

community.

Section I contains the report Selecting Costing Periods for Electric

Utility Time-of-Use Rates in Colorado. This report contains summaries of

four methods for selecting costing periods for electric utilities that were
developed for the Electric Power Research Institute Rate Design Study. It

also presents a method for selecting costing periods developed by the NRRI



which uses a NRRI developed computer model. This method requires the
identification of specific practical restrictions on the selection of
costing periods and involves a computer analysis of utility system hourly
load data as a basis for selecting seasonal and daily costing periods.
These costing periods are a basis for developing electric utility

time-of-use rates.

Section II contains the report The Load Frequency and Duration (FRED)

Data Analysis Program User's Manual. FRED is a computer model developed at

the NRRI that can be used in selecting costing periods for electric utility
time-of-use rates. The user's manual provides necessary information and
documentation so that FRED can be utilized at a commission's own computer
facilities to aid in the selection of electric utility costing periods.

The FRED program may be used alone or in combination with the method

developed by the NRRI and presented in Section I of this report.

Section III contains the report A Method for Computing the Main

Benefits and Costs of Time—-of-Use Rates for Colorado Electric Utilities.

The method developed in the report is based on estimated changes in
consumption patterns following the introduction of electric utility
time-of-use rates. Specifically, the analysis contained in the report
considers capacity and energy cost savings and metering costs occasioned by
the implementation of time-differentiated electric rates, Capital and
energy cost savings per kilowatt-hour are estimated with the help of the
Cicchetti, Gillen, and Smolenski éomputer program. Data requirements for,

and sample output of, the computer program are also presented.

Section IV contains the report Assessing the Reasonableness of

Interruptible Rates for Colorado Electric Utilities. The interruptible

rates offered to industrial customers by various electric utilities
throughout the United States are summarized in this report. Also, several
methods for estimating the costs upon which to base rates for interruptible

electric service are presented in the report. These include two methods



based on estimates of the "avoided costs"” associated with interruptible
service, a "cost plus margin” approach which assumes that the peak period
load of interruptible customers is provided for entirely from the idle
reserve capacity of regular service customers, and a "peak responsibility”
method which determines the capacity charge for interruptible customers

based upon these customers' contribution to the annual system peak demand.

Section V contains the report A Review of Power Pooling Arrangements

of Major Colorado Electric Utilities. This report was prepared for the

Colorado PUC by Whitfield A. Russell & Associates on behalf of the NRRI.
The report describes the power pooling and power brokering arrangements of
major Colorado electric utilities as well as for other major electric
utilities in the west and southwest sections of the United States. Also
described are the power pooling and power brokering arrangements of several
ma jor power pools in the United States. The report presents an approach
for evaluating and comparing the pooling arrangements of Colorado electric

utilities with those of the several major power pools.
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EXECUTIVE SUMMARY

Time-of-~use pricing, a form of peakload pricing, is generally insti-
tuted to achieve the goals of economic and engineering efficiency. In
addition to efficiency, regulatory commissions must also consider other
goals of regulation including revenue sufficiency and stability, customer
acceptance and understandability of rates, energy and capital conservationm,
and equity requirements.

The Colorado Public Utilities Commission has determined that electric
utility rates in that state should track the costs of providing service as
closely as possible., The commission also determined that at least for the
present until more reliable data are available, rates should track the
variation in average costs of service by time of use. Since these costs
vary by season of the year and time of day, the commission has initiated a
study into the feasibility of time-of-use pricing for Colorado utilities.
A basis for time~of-use pricing is the selection of proper costing periods
upon which to set rates.

There are several advantages and disadvantages associated with
time~of-use pricing. The advantages include cost reductions occasioned
through a reduction in growth of peak demand, regulatory benefits resulting
from a closer correlation of prices with costs of service, consumer bene-
fits realized through lower utility bills as demand is shifted to off-peak
periods, and technological advancement resulting from the demand for load
management and energy storage technology.

The disadvantages of time-~of-use pricing include implementation costs,
mainly metering and administrative costs; industrial considerations neces—
sitating a gradual movement to time-of-use pricing; and price stability
considerations resulting from the fact that price affects demand and there-
fore rates must be designed carefully to take into account demand
elasticity.

Four methods for selecting costing periods upon which to base
time-of-use rates have been developed., These are the Ebesco method, the
NERA method, the Ontario Hydro method, and the LILCO method. Available
information on each of these methods is summarized in this report for
informational purposes. For each case, a lack of complete documentation of
the procedures employed and assumptions made in applying the method
prevents it from being applied to the Colorado clrcumstance.

All four of the methods rely on an analysis of utility load
characteristics as a basis for selecting costing periods. While some of
the methods use fairly sophisticated statistical analyses to develop a set
of costing periods, all include a significant amount of judgment
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necessitated by those nonquantifiable factors that must be included in any
costing methodology. These factors include customer acceptance and
understandabllity, customer ability to respond to price differentials, and
pricing and revenue stability.

The National Regulatory Research Institute (NRRI) has developed a
computer program for analyzing electric utility hourly system load data to
produce a set of hourly average load curves and hourly peakload curves upon
which to base costing periods. This program may be used in conjunction
with explicit restrictions on the selection of these periods, which take
into consideration the nonquantifiable aspects of ratesetting, to develop
appropriate costing periods for time-of-use rates.

The example procedure for selecting costing periods using the NRRI
computer program, which is presented in the last chapter of this report, is
similar to the Ontario Hydro method. It requires the identification of
specific practical restrictions on the selection of costing periods and
involves a computer analysis of system hourly load data as a basis for
selecting seasonal and daily costing periods. The periods selected through
this process may be checked for accuracy by analyzing system hourly margi-
nal running costs or by comparing them with similar costing periods and
average or marginal cost of service information required to be filed by
certain utilities under section 133 of the Public Utility Regulatory
Policies Act of 1978.

I-iv



TABLE OF CONTENTS

Preface o ¢ o v o o o o o s s o o 5 o o o s s o o o s o s o s o o o o viii

Chapter ‘ Page
1 INTRODUCTION o ¢ ¢ « « o o o » o s o s o o o o o o o o s s o o 1
The OccasSion ¢ ¢ ¢« o ¢ 4 o ¢ o o o s o o o o s s o o s o o o o 2
Advantages and Disadvantages of Time-of-Use Pricing. . « « « « &

2 FOUR COSTING PERIOD SELECTION METHODS. « « o o o « « « = o « « 9

The Ebasco Method. « ¢« o o « 5 « o ¢ o o o o o o o o o o o o oll
Procedures for the Ebasco Method ¢« « ¢ o « « o s ¢ o o o o o o12
The NERA Method: ¢« ¢ o o o o o o o o s o o o o s o o o o s o o15
Procedures for the NERA Method ¢« ¢ ¢« « ¢ o o o o 2 o s o o o o16
The Ontario Hydro Method . ¢« ¢ ¢ ¢ ¢ ¢ o o o o » o o s o o o o18
Procedures for the Ontario Hydro Method. « . « o « =« o « « o 220
The LILCO Method ¢ o o s & « s o o 2 o s a a o s o a o o s o o24
Procedures for the LILCO Method. « o« « o o o o s ¢« o o o o o« 26
Costing Period Selection: An Overviews o o o ¢ « o o o« o o o 32

3. SELECTING COSTING PERIODS USING THE LOAD FREQUENCY
AND DURATION (FRED) DATA ANALYSIS PROGRAM . . ¢ « o o ¢ o 437

Example Procedure for Selecting

Costing Periods Using FRED . ¢ ¢ o o o ¢ s o o « o o o o o 40
Selection of Seasonal and Daily

Costing Periods .« « ¢ ¢ o o o o « o s o o o o o a o o » o 42

Appendix
A SAMPLE FRED LOGON AND EXECUTE PROCEDURES AND SAMPLE
OUTPUT FOR MONTHLY PEAKLOADS . . & ¢ o « o o o ¢ s o o o o o35
B SAMPLE LOGON AND EXECUTE PROCEDURES AND SAMPLE

OUTPUT FOR THE FRED COMPUTER PROGRAM . ¢ & ¢« o ¢« s ¢ ¢ o« o 59



Table

2-1

3-1

3-2

Figure

3-1

LIST OF TABLES

Sample Probabilities of Demand Exceeding Available

Operating Capability for LILCO for Weekdays, June 1975.

Sample Probabilities of System Load Approaching a
Peak Level for LILCO for Weekdays, June 1976. .

Sample Output Data from the FRED Computer Program

for Public Service Company of Colorado for the 12-month

Period, June 1979 through May 1980. « « + « «

Peak Season Daily Peakload and Daily Peak and

O0ff-Peak Hours for Public Service Company of Colorado

°

Based on Hourly System Load Data for August 1979. . .

0ff-Peak Season Daily Peakload and Daily Peak and

Of f-Peak Hours for Public Service Company of Colorado

Based on Hourly System Load Data for January 1980 . . .

Sample Daily Costing Periods for the Peak and Off-Peak
Seasons for Public Service Company of Colorado Based on
Hourly System Load Data for the Period June 1, 1979 through

May 31, 1980u ) e 8 © e e e o e e e e e o e ¢ o

LIST OF FIGURES

Monthly System Peakloads for Public Service Company of

Colorado for the Period June 1979 through May 1980

I-vi

Page

.28

.30

-44

<48

<50

52

Page



PREFACE

This report was completed under a National Regulatory Research
Institute (NRRI) contract with the Colorado Public Utilities Commission
(Contract #900342). The Colorado commission requested, as one part of the
contract, a study covering methods of selecting costing periods for
electric utility time-of-use pricing within the state of Colorado. This
report summarizes various methods of selecting costing periods and relates
these methods to the purposes of time-of-use pricing. This report was
prepared by Russell J. Profozich, Senior Institute Economist, and G.
Timothy Biggs, Graduate Research Associate, under the direction of Dr.

Kevin A. Kelly, Associate Director.
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CHAPTER 1
INTRODUCTION

The purpose of this report is to develop a method for selecting
costing periods for electric utility time-of-use (TOU) pricing in Colorado
and to relate this method to the purposes of time-of-use or peakload
pricinggl Summaries of four methods for selecting costing periods are
also presented for informational purposes. Peakload pricing is generally
instituted to achieve the goals of economic and engineering efficiency.
Economic efficiency is achieved through the price mechanism by ensuring
that prices for electric service adequately reflect the costs of providing
service., Engineering efficiency is achieved through the construction of
optimum size facilities and the optimal utilization of these facilities to

meet consumer demand.

As in most instances where a particular policy (in this case peakload
pricing) is intended to achieve simultaneous goals, the achievement of both
economic and engineering efficiency may tend to become contradictory. That
is, by achieving a greater degree of economic efficiency through the
implementation of time-of-use pricing, a commission may forego sdme level -
of engineering efficiency, and vice versa. In these cases, commissions
must balance the competing goals of utility regulation that in addition to
efficiency considerations include revenue sufficiency and stability for the
utility, customer acceptance and understanding of the rates, energy and

capital conservation, and equity in rates.

IThere are various methods available for instituting peakload
pricing. Time-of-use pricing, the method with which we are concerned here,
is one type of peakload pricing. Other methods such as the familiar demand
ratchet provisions of electric utility tariffs or interruptible rates for
various types of service have been in use for some time. See, for example,
The Development of Various Pricing Approaches: Topic 1.3, prepared by
Ebasco Services, Inc., for the Electric Utility Rate Design Study (Palo
Alto, Calif.: Electric Power Research Institute, March 1, 1977).
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The Occasion

The Colorado Public Utilities Commission has held a generic régulatory
proceeding (Case No., 5693) during which it explored various costing and
pricing alternatives for electric utilities operating within its juris-
diction. The commission issued a decision at the end of the generic
proceeding (Decision No., C79-1111) in which it stated its position with
regard to time-of-use (TOU) pricing. Although rejecting marginal cost
analysis as a basis for determining costs upon which to establish rates (at
least for the present), the commission stated that rates, to the extent
possible, should track the costs of providing service. Thus, when average
costs of service vary by time of use, electric rates should track that
variation as closely as possiblea2 The commission also noted that such
rates will place the cost burden of supplying electric service on those
responsible for the costs and will encourage, over time, consumers to shift
some portion of their consumption to off-peak periods, thereby contributing
to capital and energy conservation. The commission also stated that even
if time-of-use rates do not induce consumers to shift a part of their
demand to off-peak periods, time-of-use rates based on variations in
average costs will adequately reflect the cost of service so that those
consuming electricity on-peak will pay an appropriately higher price.
-Thus, the commission seems to have established economic efficiency as the

primary purpose for instituting time-of-use pricing.

By way of contrast, if the commission wanted to achieve a very flat
load so as to minimize generating costs, the goal then would have been to

promote engineering efficiency.

The commission in its Decision C79~1111 has also established certain
criteria for the implementation of TOU pricing in Colorado,3 These

criteria state that TOU rates must accomplish the following:

2Decision No. C79-1111, Colorado Public Utilities Commission, Case
No. 5693, July 27, 1979, p. 108.

3Ibid., Appendix E, p. 183.
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1. Be simple and easy to apply.

2. Result in rates easily understood by the customer,
3. Track costs.

4., Be equitable.

5. Encourage conservation of energy.

6. Encourage conservation of capital.

7. Take into account time periods and cost variations

among those periods.

In regard to costing periods, the commission has stated that electric
utility costs of service vary by season of the year and by time of day due
to the nature of the loads placed on the system and the generating mix
required to meet those loads., Variations in rates, then, should coincide
with variations in costs of service (criteria 3 and 7 as listed above). 1In
order to comply with the simplicity and understandability criteria
(criteria 1 and 2), however, the commission recommends that seasonal

costing periods be as few as possible given the need to track costs.

As the basis for seasonal variation in rates, the commission
recommends that a utility's load curves be used to determine the seasonal
load cycles, Because of the variation of load curves from year to year, a
5-to-10 year average load curve is recommended for use, with the average
cost of meeting load during each seasonal period employed as the cost basis

upon which to design seasonal rates.

Within each seasonal costing period, costs of service will vary almost
on an hourly basis. In order to comply with its costing criteria as out-
lined above, that is, in order to achieve a balance between precision in
tracking costs of service and simplicity and understandability of rates,
the coﬁmission recommends that time-~of-day costing periods should be
grouped into periods with similar costs. Two or three daily costing
periods should provide an adequate balance between precision and

understandability, according to the commission.
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Advantages and Disadvantages

of Time-of-Use Pricing

Time~of-use pricing charges higher prices for electric service during

peak hours than during off-peak hours. Although time-of-use pricing is

generally associated with a marginal costing methodology, average costs of

service are also appropriate for the implementation of this form of peak-

load pricing. There are, however, advantages and disadvantages associated

with time-of-use pricing that should be considered when implementing this

form of pricing. They may be outlined as follows:%

Advantages

1.

Cost reductions: At present, thekgrowth in peak demandis priced
below its time-differentiated average (or marginal) cost. Peak
deﬁand growth and the need for additional capital expenditures are
likely to be reduced when prices follow variations in costs of
service. As a result, both capital and operating costs would grow
at a slower rate, thereby contributing to both capital and energy

conservation,

Regulatory Benefits: The frequency of rate cases should be
reduced due to the closer correlation of prices with costs of
service. Also, the regulatory criterion of equitableness will
likely be enhanced, since those consumers most responsible for

expansion of facilities will pay an appropriately higher price.

Consumer Benefits: Consumers may be able to reduce their
utility bills provided that time-~of-use prices are structured in
a manner that is easily understood and easily applied. Customers
can realize the benefits of time-of-~use pricing by shifting a

portion of their energy consumption to off-peak hours.

4paniel Z. Czamanski, J. Stephen Henderson, Kevin A. Kelly, Electric
Pricing Policles for Ohio, vol. 1. (Columbus, Ohio: The National

Regulatory Research Institute, October 1977), pp. 49-58.
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Technological Advancement: Time-of-use pricing is likely to
stimulate research and development in energy storage and other
load management techniques by providing greater incentives to

store or use electricity during off-peak hours.

Economic Efficiency: Economic efficiency will be enhanced
because prices for electricity will more accurately reflect the
costs of service. Consumers, then, will pay a price that

reflects the cost to society of providing electric service.

Engineering Efficiency: Engineering efficiency is also likely

to be improved through time-of-use pricing, especially over the
long run, as greater utilization of facilities occurs as a result
of a shift in demand from peak to off-peak hours. Care must be
taken in the design of time-of-use rates, however, so that a
shift in consumer usage does not result in less, rather than more,

efficient utilization of facilities.

Disadvantages:

1.

2,

Implementation costs: Prohibitive expenses may be incurred if

new customer meters are required for time-~of-use pricing.

However, in those markets of larger users, the benefits should
outweigh the costs because the necessary meteringvis already

in place. Also, with the development of various low cost metering
techniques that can be expected in the future, time-of-use

pricing is likely to be beneficial to residential customers

as well.

Industrial comnsiderations: If industry finds peak load pricing
too expensive, it is argued that out-of-state movement may occur.
Therefore, if and when TOU pricing is implemented, consideration
might be given to coordination of efforts with utility commissions
in other states in the surrounding region if possible. Also,

the commission could give assurance to customers that this pricing



method will not discriminate or impose undue hardship on one

customer class over another.

3. Price stability considerations: There is a causal relationship
between the price of, and demand for, electric service. Since
time—of—dayrpriciné will likely result in some portion of consumer
demand being shifted from peak to off-peak periods, care must be
taken in designing sdch rates so that rate instability does not

result.

Overall, the benefits of time~of-use pricing should outweigh the
costs. A decisive step in ensuring this relationship (i.e., benefits over
costs) 1s selecting costing periods that accurately reflect costs of
service, These costing periods form the basis for time-of-use pricing.
The following chapter contains summaries of four methods for selection of
costing periods that have been experimented with recently. The summary’of
each method will point out the significant steps that each group used in
developing the specific method. These groups, which have applied their
method of selecting costing periods for TOU rates with varying degrees of

success,; are the following:

1. Ebasco Services, Inc. (Ebasco).

2. National Economic Research Associates (NERA).
3. Ontario Hydro (Ontario).

4. Long Island Lighting Company (LILCO).

It should be noted that in each of the four methods summarized, less
than full documentation of the procedures employed and the assumptions made
in applying the method to a specific utility is available. This lack of
full documentation is due to the experimental nature of each of the methods
and the fact that judgment plays a crucial role at various points within
each method. Unfortunately, the various factors that contribute to the
judgmental process are not always well defined by the developer of each

method,



Summaries of the four methods are provided for informational purposes.
The reader is referred to the various sources\bf information on each of the

methods footnoted throughout the chapter for additional informatiom.






CHAPTER 2
FOUR COSTING PERIOD SELECTION METHODS

The material contained in this chapter is derived from various sources
as noted in the footnotes, however, much of the material is taken from A

Review and Evaluation of Methods for Selecting Rating Periods, prepared by

Gordian Associates, Inc., for the Electric Utility Rate Design Study. This
publication offers a fairly detailed summary and review of the four
approaches to selection of costing periods. These approaches, or methods,
‘developed by the identified parties (i.e., Ebasco, NERA, Ontario Hydro, and
LILCO) have been applied in time-of-use pricing proceedings in several
jurisdictions throughout the country. The remainder of this chapter con-
tains abbreviated descriptions of the four methods, including comments on
their usefulness in selecting costing periods and adaptability to the

Colorado circumstance.

None of the four groups provides full documentation of all of the data
requirements, procedures, or assumptions used in applying its method to the
selection of costing periods. These omissions are partially due to the
fact that costing methods for time-of-use rates are still in the develop-
ment state. Also, costing methods necessarily rely to a considerable
degree on judgment and unquantifiable criteria that prevent any particular
method from being applied to a specific utility without some degree of
alteration. These factors, along with data limitations and the unique
characteristics of each utility to which the costing methodology was
applied, resulted in only a general presentation of each method by its
developer. Unfortunately, this type of presentation sometimes resulted in

vagueness or omission of certain important aspects of the method itself,
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All of the methods surveyed use hourly system load data to determine
costing periods on the assumption that variations in costs of service
follow variations in system load. This assumption, although generally
accepted as a means for determining costing periods, is partially neces-
sitated by the lack of available data on hourly system generation costs and
hourly system transmission and distribution costs. Although potentially
harmful to the analyses, the effects of this assumption are largely
nullified by the fact that the final selection of costing periods is
témpered by the need to take into consideration the many nonquantifiable
aspects (or goals) of utility regulations. These goals contribute to
broadly defined costing periods that attempt to strike a balance between
accuracy in reflecting actual costs of service and general understand-—-
ability and usefulness of the rates that result from the costing period
selection process. As a result, periods that reflect similar system loads
(the proxy for system costs of service) are combined into a single costing
period on both a seasonal and daily basis. The final result of this
process is the selection of from two to four seasonal costing periods and
two to four daily costing periods within each season upon which to base

time-of-use rates.

Although useful in developing a method for the selection of costing
periods, the assumption that variations in systemvload follow variations in
costs of service may or may not result in rates that adequately reflect the
actual cost of providing service. This may be particularly true for a
utility with a considerable amount of hydroelectric generating capacity or
for a utility that is a member of an established power pool where a large
amount of sales among the various members of the pool takes place. 1In
these cases, the accuracy of the selected costing periods (i.e., accuracy
in reflecting actual costs of service) may be verified through a comparison
with a second set of costing periods developed using hourly system running
costs (fuel and variable operating and maintenance expense), and taking
into account the exchange of energy among members of a pool and assigning
the replacement cost of hydrogeneration or pumped storage generation to the

appropriate time period.
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The Ebasco Method

The Ebasco peakload-pricing method is basically an embedded (i.e.,
accounting) cost approach, although Ebasco asserts that it can be used
for determining marginal costs as well. Ebasco states that this method,
based on seasonal or time-of-day distinctions, creates the basis whereby
customers begin to realize how costs are incurred by the utility. This
realization (or in other words, price signal) allows customers to change
their electric usage habits in order to reduce peakload or conserve

energy. !

Underlying Theory

Costs must be defined by seasons and/or time of day in order for
Ebasco's method to be applied. Ebasco's guiding principles, used as a
basis for the allocation of costs to periods, emphasize that greater
portions of fixed costs pef load unit are associated with those periods of
greater system load and that greater proportions of variable costs per
consumption unit are also associated with those periods of greater system

load.

Since Ebasco assumes that high-load periods are also periods of high-
fixed and variable costs, this method analyzes system hourly loads to
determine the "high-load” hours. These hours are labeled "peak" hours.
Such a determination necessitates time of day and seasonal examination of

hourly load data for a historical or projected time period.

Data Requirements

The Ebasco method uses data from a preselected test year, usually the

most recent l2-month period, to form the basis for selecting costing

lEbasco Services Inc., Costing for Peak Load Pricing: Topic 4,
prepared for the Electric Utility Rate Design Study (Palo Alto, Calif.:
Electric Power Research Institute, May 4, 1977), p.6.
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periods. The specific data requirements used in selecting costing periods

are listed below:2

1. Monthly system peak demands.

2. Daily load curve (at a minimum, the daily curve for the peak
day of each season).

3., A list of generating units classified by type of use (i.e.,
baseload, intermediate, peaking) and their capacity ratings.

4, A list of firm interchange agreements with other utilities.

5. A schedule of planned maintenance for all generating units.

6. A weighted-average forced ocutage rate for baseload units on
an annual basis.

7. Seasonal capability factors reflecting changes in available

generation capability due to seasonal weather effects.

Procedures for the Ebasco Method

Seasonal Costing Periods

Although no specific seasonal costing period selection method was
presented, Ebasco makes some generalizations about seasons. In explaining
the methodology behind its base, intermediate, and peak (BIP) method,
Ebasco notes that judgment plays a major role in period selection. 1In the
United States, all system peaks, with few exceptions, are weather sensitive
and are mainly caused by air conditioning or space heating. For this
reason, Ebasco assumes that categorical seasonal groupings can be made for
all utilities based on variations in monthly system peak demands where
these variations are due to weather effects. These groupiﬁgs are as
follows: summer peaking, winter peaking, leap~frogging peaks, or
nonpeaking. Ebasco's selection of seasonal costing periods follows the
normal seasonal ranges based on weather variation perceptions during the

course of the 12-month period.3 Ebasco ignores formal statistical methods

2Gordian Associates, Inc., A Review and Evaluation of Methods for
Selecting Rating Periods, prepared for the Electric Utility Rate Design
Study (Palo Alto, Calif.: Electric Power Research Institute, February 8,
1980), p. 10.

31bid., p. 11.
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in its selection of costing periods and relies on the use of judgment based
on experience and pragmatism in the selection of seasonal and daily
periods. The ratio of highest to lowest monthly system peak demand is
calculated to determine the seasonal costing periods. If the ratio is
greater than 1.4, Ebasco states that a great degree of seasonal variation
is present., If the ratio falls between 1,2-1.4, seasonal variation may be
present, but to a lesser degree. No rationale for the selection of these

ratios was presented in the report.

The levels of monthly demand across the year are then examined and
grouped into. seasons if, based on the ratio findings, variation is present.
Next, a retrospective examination of previous years' data is made to deter-
mine those months where annual system peaks have taken place. Adjustments
are made in the seasonal costing period definitions if the historic data

warrant it.

Daily Costing Periods

The determination of off-peak and on-peak hours of the day relies upon
an analysis of hourly load data. This type of analysis, when considering
time-of-use rates, was found to be used by a majority of 42 electric

utilities that were investigated in a 1977 survey.4

The initial step here is to decide whether to separate weekdays from
weekends and holidays. Ebasco compares the average daily load levels of
weekends and holidays to the peakload levels of weekdays in the same
season, This is accomplished after a careful evaluation of historic load
characteristics. The guide that Ebasco presents to determine the proper
daily costing periods involves the ratio of maximum to minimum daily loads

expressed as a percent of daily peakload for each costing period.5 Based

4Task Force No. 4, Comments on Two Costing Approaches for Time-
Differentiated Rates, prepared for the Electric Utility Rate Design Study
(Palo Alto, Calif.: Electric Power Research Institute, March 8, 1977), pp.
84-87.

5Ebasco Services, Ine., op. cit., pp. 9-10.



on these comparisons, and also taking into account operating requirements
such as scheduled weekend maintenance, Ebasco determines whether or not

weekends and holidays should be included in the off-peak period.

Off-peak hours are defined in the Ebasco method as those periods
during which the utility has some degree of certainty that the load can be
satisfied by baseload units. Baseload units are defined as those units
having the lowest operating costs that are capable of operating continu-

ously for long periods of time.6
The process for developing daily off-peak hours is as follows:/

1. Determine and plot the monthly available baseload capacity.
(Planned outage schedule, firm interchange arrangements, seasonal
capacity factors, and allowances for forced outages should be
accounted for.)

2. Determine and plot on the same graph the monthly system peak
demands.

3. For the peak month in each season, compute the percentage of
maximum peakload that can be supplied by the baseload capacity ’
(i.e., the results from step 1 divided by the results of step 2).

4. For each season, plot the result of step 3 on a graph of the daily
load curve normalized for weather conditions for the day of
maximum seasonal demand.

5. The hours falling below the percentage of maximum peakload
supplied by baseload capacity are considered as daily off-peak
hours for each season. The system load during these hours
represents the portion of seasonal peakload that can be supplied

by baseload capacity.

6Task Forces and Edison Electric Institute, Glossary: Electric
Utility Ratemaking and Load Management Terms, prepared for the Electric
Utility Rate Design Study (Palo Alto, Calif.: Electric Power Research
Institute, September 11, 1978), p. 7.

7Gordian Associates, Inc., op. cit., pp. 13=14.



The next step is to define the daily on-peak hours. Ebasco defines
on-peak periods as those periods when system demand exceeds the systenm's
secondary peak. Although this definition is intuitively appealing, Ebasco

provides no specific reason for its selection.

Peak hours are identified through the use of a ratio comparing
secondary season to primary season peak demands. The procedural steps are

as follows:3

l. Determine the annual peakload (primary peak).

2. Determine the next highest load level that occurs in another
season (secondary peak).

3. Compute the ratio of secondary peak to primary peak expressed as a
percentage. .

4. Plot this percentage on the graph of the normalized daily load
curve for the day of maximum system peak.

5. Identify those hours where the system demand exceeds the

secondary-peak to primary-peak ratio as the daily on-peak hours.

The hours that fall between the daily on-peak and off-peak periods
represent daily intermediate hours for the peak season only; that is, there
is no intermediate period determined for the off-peak season. Ebasco
states that a daily intermediate period is not warranted in all cases,
particularly where it would be of relatively short duration. Elimination
of the intermediate period also serves to simplify rate design, lessen

metering requirements, and enhance consumer understandability.
!

The NERA Method

NERA's objective in establishing costing periods is to recognize both
the major differences in marginal costs over the load cycle and the
practical limitations on the number of periods for which rates can be set.
The NERA method relies on the probability of load exceeding available

capacity to measure cost variations and to define costing periods. This

81bid., p. 13.
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probability, or risk measure, is the hourly system loss of load probability
(LOLP). The NERA method also uses variations in system load to define
costing periods. This information is used in addition to the LOLP, or as a
substitution for LOLP, when sufficient data are not available from the

company being analyzed.

Underlying Theory

NERA's primary standard for developing costing periods is the presence
of systematic time-related differences in the probability that load will
exceed available capacity. Combined with this is the notion that "the
expected marginal capacity costs and the marginal energy costs will vary
with one another over the load cycle."9 The NERA method relies on
differences in marginal costs to select costing periods. This method,

however, may be applied using average costs rather than marginal costs.

Data Requirements

Data needed for the selection of costing periods under the NERA method

are as follows:10

1. Historical or forecast monthly peakloads.

2. Weather characteristics information.

3. Some hourly measure of marginal capacity cost responsibility for a
forecast study period.

4, Typical daily load profiles (preferably forecast).

Procedures for the NERA Method

NERA segments its procedures into two steps, the selection of seasons

and the selection of daily (diurnal) costing periods.

INational Economic Research Associates, Inc., How to Quantify
Marginal Costs: Topic 4, prepared for the Electric Utility Rate Design
Study (Palo Alto, Calif.: Electric Power Research Institute, March 10,
1977), p. 25.

10Gordian Associates, Inc., op. cit., p. 26.
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Seasonal Selection

In the ideal situation, NERA believes that the selected periods should
contain elements of relatively homogenous cost characteristics. However,
it should be kept in mind that these periods and their associated costs

must be comprehensible to the consumer.

It is implied by the NERA costing method that the use of LOLP for
capacity cost allocation and for the selection of seasons is preferred.
The use of LOLP to define seasons is tempered by the normal definition of
seasons based on weather variation and other considerations such as

consumer response impact.ll

The steps for selecting seasonal periods are summarized as
follows:12

1. Calculate the monthly risk measures or capacity cost allocation
factors (e.g., LOLP), preferably over a forecast period.

2. Analyze the variations in risk levels across the months of the
year.

3. Select seasonal costing periods based on variations im risk

levels.

Daily Costing Periods

NERA recommends using the probability of load exceeding capacity to
determine the hourly costing periods. However, if hourly risk measures are
not available (e.g., hourly LOLP), historic system hourly loads may be
used. Also, costing periods should be broadly defined in order to avoid
peak chasing and customer confusion. Therefore, quantitative data are

necessary for the establishment of the costing period foundations,; but

llNational Economie Research Associates, Inc., op. cit., p. 31l.

12Gordian Associates, Inc., op. cit., pp. 26-27.
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subjective decisions should determine the final selection. Subjectivity
also plays a role in the selection of seasonal periods. For instance, NERA
recommends that if one month of the winter season has lower costs than the
other winter months, much confusion can be avoided if that month has the
same charges as the other months in the season. In the four studies
conducted by NERA, only two of the companies had available hourly system
LOLP data and only for selected days. The selection of costing'periods for
those companies without LOLP data was based on variations in hourly system
load data. In each of the four studies, only two daily costing periods

were selected; peak and off-peak. The daily peak periods were broadly

£

defined, ranging from 11 to 15 hours duration.

NERA does not provide specific guidelines for the selection of daily
peak and off-peak periods nor for the treatment of those hours of the day
where cost levels (or hourly system loads) may lie between the peak and
off-peak periods. The final selection of daily costing periods is largely
a judgmental determination of what NERA determines is feasibie, based on

considerations of consumer comprehension and rate stability.

The NERA method procedures for selecting daily costing periods are

given below:13

1. Compute hourly LOLP levels for typical days of the year.

2. Plot daily load curves for typical days of the year.

3. Determine the hours of greatest risk (through analysis).

4. Select daily rating periods that are broad enough to avoid peak
chasing and limited in number so that consumers can understand

them.

In terms of documentation, the Gordian report points out that the
theoretical basis of the NERA method is fairly well defined, 14 However,
there is a lack of sufficient documentation in describing the process of

costing period selection (i.e., how the theory is applied). Several

131bid., p. 32.
141hid., p. 35.
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aspects of NERA's method require judgment. NERA does not always provide
sufficient guidance concerning those judgmental factors to be considered or

their relative importance within the analysis.

The information necessary to apply the NERA method as originally
defined is often not available from utility companies. Obtaining the
necessary information requires a production cost model that computes hourly
system LOLP. The cost of obtaining this information, including the cost of

developing or purchasing the model, can be significant.

The Ontario Hydro Method

Information on the Ontario Hydro method derived from the Gordian
report 1is based on a study performed by Ontario Hydro and presented before
the Ontario Energy Board. The method developed by Ontario Hydro is a
preliminary approach to the selection of costing periods intended only to
identify a possible alternative to proposed costing periods submitted to

the Ontario Energy Board that were based on the NERA method.

The Ontario Hydro approach is related to marginal costs, although it
is general enough to be used with embedded cost data. In selecting the
costing periods, explicit specification of many constraints (i.e., limits
on the number of daily or seasonal periods) is called for. The Ontario
method requires the use of computer programming in the determination and
ranking of the costing periods. Although judgment is required at certain
steps, this method allows for sensitivity analysis and the development of
separate costing periods based on varying levels of consumer understanding

and adaptability to various rate classes,

Underlying Theory

Ontario Hydro states that its basic purpose for the application of
time-of-use rates is to provide a closer relationship between production
costs and demand value by establishing a correspondingly high-price struc-

ture when demand is high and a low-price structure when demand is low.15

151bid., pp. 41-45.
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Ontario also states that TOU rates based on the selection of costing
periods may be simplified by grouping periods of similar cost characteris-—
tics into a single costing period where a uniform price may be charged for

all consumption within that period.

Ontario states that ideally its method would relate the choice of
costing periods to those hours representing similar value to the consumer.
Also, these same hours should represent similar costs, equal to the value
placed on them by the consumer. However, such information is not
available, and Ontario Hydro has to rely solely on cost variations as a

determination of costing periods.
Ontario Hydro's overall objective in developing costing period selec-
tion is to minimize cost variances within periods while simultaneously

maximizing cost variances among periods.

Data Requirements

Although Ontario Hydro utilizes a computer program for determining
costing periods (based on marginal energy and capacity costs) for a chosen
test period, data limitations necessitate that the test period be only 12
months in duration. Also, hourly loads were substituted for hourly

marginal demand costs due to this data limitation.

Procedures for the Ontario Hydro Method

Ontario Hydro's sequence of steps for developing time-of-use costing

periods, which are explained in further detail below, is as follows:16

l. Determine practical period formation restrictions.

2, Perform a quantitative cost analysis under existing conditions
(select costing periods).

3. Formulate costing periods and rate structures.

4, Evaluate consumer response.

161bid., p. 43.
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5. Determine effects on the generation system.

6. Evaluate changes in system costs and any effects on system
constraints.

7. Perform a quantitative cost analysis under projected conditions.

8. Return to step 3 if pricing periods need to be reformulated due to

results of steps 4 through 7--otherwise stop.
These steps are recommended given no data constraints., The actual
sfudy undertaken by Ontario does not go beyond step 3. Additional detail

on the first 3 steps is presented below.

Determination of Costing Periods

Peak chasing, administrative ease and feasibility, consumer comprehen-
sion, stability in the rate structure, metering cost, and capability are
all underlying restrictions that Ontarioc Hydro considered in the
determination of practical costing periods. Ontario developed a set of
seasonal, weekly, daily, and general restrictions that it believes are
necessary to ensure that consumers understand the costing periods., These
restrictions will be slightly different for each utility depending upon its

specific load characteristics., These restrictions are listed below: 1’

Seasonal

1. A maximum of four seasons each composed of consecutive months.
2. A minimum duration of one month.

3. Each season starts at the beginning of a month.

4. January must be in one season and July in another.

Weekly

1. Each week within a particular season must be treated identically.
2. vA maximum of three periods within the week.

3. At least Monday through Thursday must have hours in the peak

period.

171bid., p. 45.
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1. FEach day with hours in the peak must be treated identically.

2. The daily peak period must have a minimum duration of two hours.
3. Only one peak period of consecutive hours per day is permissible.
4, The shoulder period does not have to be symmetrical.

5. The hours from 1:00 a.m. to 5:00 a.m. are grouped into a single

period.
General
1. Holidays are disregarded.

2. Rating periods do not overlap.

Quantitative Cost Analysis

The object here is to have groupings of hours that are both homoge-
neous and unique in regard to production costs, Subject to the previously
outlined constraints, alternative costing periods are developed using
marginal energy and marginal demand costs as the relevant characteristics.
Ontario states that depending upon the configuration of the generating
system variations in capacity costs and energy costs may or may not be
closely related. This is especially true for a system like Ontario Hydro's
that has a significant amount of hydroelectric generation. Accordingly,
two separate sets of costing periods are developed: one based on marginal
energy costs, and one based on system load levels (the surrogate for
marginal demand costs). These two sets of costing periods may then be

combined to produce one set of costing periods that meet the restrictions

outlined above.

The following procedures within the quantitative cost analysis are
performed with the use of a computer program.18 Specific documentation of
the method of analysis employed within the computer program used by Ontario

Hydro is not provided in the report.

181bid., pp. 46-49.
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l. Determination of all possible seasonal subgroups satisfying the
previously mentioned restrictions.

2, Calculation of the F-statistic for each seasonal subgroup.

3. Determination of all possible diurnal and weekly subgroups with
the highest F-statistic.

4. Calculation of the F-statistic for each diurnal and weekly
subperiod within a particular season so that those periods with
the highest F-statistic may be chosen.

5. GCalculation of the F-statistic for each permutation of best
seasonal choice and best respective diurnal and weekly choices,

using data for the entire year.

The F-statistic is a measure of the degree of variability of data
within a data set (which in this case is a costing period) and between data
sets (between costing periods). Ontario uses this statistic to test
whether or not the degree of variability in system load or in marginal-
running costs is greater among possible costing periods than it is within
those costing periods. This statistical test is used to assure that the
selection of costing periods accurately reflects variation in the cost of

service,

The F-statistic is computed as the ratio of the variance between
groups of data (costing periods) to the variance within groups of data,19
Ontario Hydro does not claim that the ratio it computes for its costing
methodology has an F-distribution. The use of the term F-statistic by
Ontario Hydro is for descriptive purposes only because the number computed

is identical in equation form to the F-statistic.

This statistical analysis is performed separately for marginal running
costs and for hourly system load levels. The result of this process is a
series of possible costing periods all of which satisfy the prescribed
restrictions as outlined above. The next step in the Ontario method is the
selection of the best set of costing periods from the series of possible

costing periods.

195ee: Gordian Associates, Inec., op., cit., appendix D.
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Costing Period Formulation

This step considers factors other than those taken into account by the
computer analyses. Because adequate statistical information is not
available, this step becomes a qualitative attempt to select a set of

costing periods that take into account the following considerations:20

1, Metering and administrative costs.

2. Likely rate structure effects on customer demand patterns.

3. Peak chasing possibilities.

4. Consumer response effects on the transmission and distribution

system and the cost impacts of that response.

In this process of costing period formulation, Ontario Hydro acknowl-
edges that informed judgment plays a significant role in the selection of
costing periods; due largely to the nonquantifiable nature of much of the
data needed for the analysis. The development of restrictions on the
potential costing periods, is subjective and highly dependent upon the load
characteristics of the individual utility. This process, however,
represents a more precise specification of conétraints on costing period

selection than do the previous two methods.

The LILCO Method

This method was presented by LILCO in a generic rate design proceeding
before the New York Public Service Commission. The method considers vari-
ations in marginal energy costs as well as the demand-related costs of
generation, transmission, and distribution in selecting costing periods.
Also, alternative costing periods can be provided for épecific customer

classes based on differing levels of consumer understanding.

Underlying Theory

LILCO believes that the creation of specific costing periods must be

directly related to the existence of electric supply cost differences

201bid., pp. 49-50,
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across hours, days, and months of the year23 the allocation of costs to
hours is inseparable from costing period formation, LILCO uses an approach
that ties together both the relative likelihood of having "no excess” gen=-
erating capacity available at each hour and the relative likelihood of each
hour being one that approaches a peak period level for both the voltage
level and the geographic area of service. Given this, five criteria are de-
fined by LILCO for establishing costing periods. These criteria are listed
below:22
l. Match costing periods with metering requirements.
2. Match costing periods with "standing” (capacity) kilowatt account-
abilityﬂb
3, Match costing periods with "running” (fuel) kilowatt-hour account—
abilty.
4, Match costing periods with consumer understandability and accep-
tance.

5. Maintain consistency among costing periods.

The allocation of capacity costs to hours in the LILCO approach

consists of two separate but related procedures. These are given below:

Procedure A: The determination of the relative likelihood of having
no excess capacity at each hour.
Procedure B: The determination of the relative likelihood of each

hour being an hour that approaches a peakload level.

o
)
o
W

Requirements

[o3

Data requirements for the two procedures are ocutlined below.?23

21Richard W. Bossert, “"Criterion for Defining Electricity
Time-of-Use Rating Periods,” Comments on Two Costing Aproaches for Time
Differentiated Rates, prepared for the Electric Utility Rate Design STudy
(Palo Alto, Calif.: Electric Power Research Institute, March 8, 1977), pp.
88-103.

22¢ordian Associates, Inc., op. cit. p. 57.

231bid., pp. 60-62.
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Procedure A:

1. Hourly system load data for a 12-month period.

2. Daily available system generation capabilitiesz4 for the
same 12-month period including (a) a tabulation of the
capabilities of all units operating during the day; (b) the
capabilities of units off-line during the day that could have
been brought on-line, if required; (¢) the net megawatts of
of firm capacity transmitted and received under

interconnections

Procedure B:

1. Hourly system load data for a 12-month period. v

2. A high- average megawatt (MW) system demand level (called‘the
"MW delimiter”). This number is chosen as representative of
an expected high-average demand during a peak period of the

year.

The selection of the MW delimiter is largely a subjective process.
The value chosen is intended to represent that level of system demand which
represents an approaching peak condition on the system. LILCO computed the
MW delimiter as the average. of the peak demand levels experienced on its

system during the peak season of the year.

Procedures for the LILCO Method

Both procedures A and B involve calculations based on a normal
probability distribution; that is, it is assumed that the data used in
these procedures (hourly system load data) follow a normal distribution.
The next step in both procedures is to select a set of rational subgroups
for the year, based on a common sense approach to subdividing the year for
easy review. For the LILCO study, each month's weekdays were established

as an individual subgroup. Saturdays and Sundays were grouped separately

on a seasonal basis.

24Capability is defined as the actual generating capacity in MW
available from a unit at a particular time. Due to prevailing conditions
on the system at any particular time, available capacity (i.e.,
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Procedure A

As an example of LILCO's procedure A, taken from the Gordian
Associates report, data for the subgroup consisting of all weekdays in June
1975 are shown in table 2-1. The first column of the table shows the hours
of the day from 1:00 a.m. to 12 midnight. The second column shows the
average system demand in megawatts for each hour for all weekdays in June.
Column 3 labeled "Demand Sigma”™ shows the standard deviation of the
individual demand levels around the computed "Demand Average"” for each hour

listed in Column 2.

The 4th column shows the "Excess Capability Average” for each hour
that is defined as the difference between the daily system capability and
the demand level at each hour. Column 5, labeled "Excess Capability
Sigma,"” is the standard deviation of the excess capability for each hour
across all weekdays in June (i.e., it is a measure of the variability of
available excess capacity during each hour of the weekdays in June). The
data in columns 4 and 5 are used to compute the probability of excess
capability being less than or equal to zero, expressed as a percent and
labeled "Probability of No Excess” in column 6. The Gordian Associates
report does not explain how this computation is performed. This number for
each hour is multiplied by a correction factor to account for the varying
number of weekdays in each subgroup (e.g., the number of weekdays in June
relative to the number of weekdays in the other subgroups) in order to

derive the "Frequency Adjusted Probability” as shown in column 7.

Column 8 in table 2-1, labeled "Relative Weightings," is derived by
summing the hourly frequency adjusted probabilities in column 7 across all
subgroups for the year and dividing each hourly frequency adjusted
probability by that sum. It is these "Relative Weightings”™ that are used
to assign coét responsibility for generating plant costs to each hour.
This is accomplished by multiplying total system generating plant costs by
the relative weightings for each hour for weekdays in each month as listed

in column 8. Thus, the hours from 1:00 a.m. to 10:00 a.m. for weekdays in

capability) from any generating unit may vary significantly from the
unit®s rated or maximum capacity.
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TABLE 2~1

SAMPLE PROBABILITIES OF DEMAND EXCEEDING
AVATLABLE CAPABILITY FOR LILCO
FOR WEEKDAYS, JUNE 1975

‘ EXCESS EXCESS PROBABILITY FREQUENCY
DEMAND DEMAND CAPABILITY CAPABILITY OF NO ADJUSTED RELATIVE
AVERAGE SIGMA AVERAGE SIGMA EXCESS PROBABILITY WEIGHTINGS
HOUR (MW) (MW) (MW) (MW) (%) (%) (%)
100 1198.9 167.5 1487.8 179.9 0.0 0.0 0.0
200 1077.6 148.5 1609.1 170.9 0.0 0.0 0.0
300 1005.5 134.9 1681.2 166.8 0.0 0.0 0.0
400 974.4 122.5 1712.3 162.8 0.0 0.0 0.0
500 959.1 114.7 1727.6 160.7 0.0 0.0 0.0
600 956.1 101.2 1730.6 158.2 0.0 0.0 0.0
700 1055.0 90.7 1631.7 157.6 0.0 0.0 0.0
800 1316.5 87.5 1370.2 163.1 0.0 0.0 0.0
900 1574.0 116.7 1112.7 173.4 0.0 0.0 0.0
1000 1767.8 161.8 918.9 189.8 0.0 0.0 0.0
1100 1883.9 186.4 802.8 204.2 0.0000 0.0000 0.03
1200 1941.3 214.6 745.4 222.0 0.0004 0.0004 0.31
1300 1948.2 235.5 738.5 235.4 0.0004 0.0008 0.68
1400 1969.0 249.8 717.7 248.6 0.0019 0.0019 1.55
1500 1982.6 262.3 704.1 257.2 0.0031 0.0030 2.47
1600 2003.0 266.9 683.7 262.6 0.0046 0.0045 3.68
1700 2013.6 261.8 673.1 261.0 0.0050 0.0048 3.96
1800 2009.0 251.5 677.7 254.7 0.0039 0.0038 3.12
1300 1934.9 231.8 751.9 236.9 0.0008 0.0007 0.60
2000 1851.2 212.4 835.5 218.7 0.0001 0.0001 0.05
2100 1878.0 180.6 808.7 199.9 0.0 0.0 0.0
2200 1866.3 183.2 820.4 208.8 0.0000 0.0000 0.03
2300 1683.0 186.3 1003.8 211.3 0.0 0.0 0.0
2400 1435.6 172.9 1251.1 197.9 0.0 0.0 0.0

Source: Gordian Associates, Inc., A Review and Evaluation of Methods for Selecting Rating Periods,
prepared for the Electric Utility Rate Design Study (Palo Alto, Calif.:
Electric Power Research Institute, February 8, 1980), table 6




June would have zero generating plant cost responsibility. The hours of
11:00 a.m. for weekdays in June would be assigned 0.03 percent of total

generating plant costs, and sc on.
Procedure B

Table 2-2 shows an example of LILCO's procedure B.25 A MW delimiter
was selected by LILCO that corresponds approximately to the average of
system peak demands experienced by LILCO during the peak months of the
year., The selection of a MW delimiter is critical to the analysis. Too
large or too small a number will yield results that are not useful for
developing time-differentiated costs. The precise specification of the MW
delimiter is largely a function of judgment. It should represent a high-
average system load during the peak months, not the system peakload itself.
LILCO does not explain the factors entering into the selection of the MW
delimiter other than to state that it should représent an approaching peak

condition on the system.

Column ! of table 2-2 shows the hours of the day from 1:00 a.m. to 12
midnight. Column 2 shows the average system demand for each hour for all
weekdays in June. Column 3 shows the standard deviation of the individual
hourly demand levels around the computed "Average” listed in columh 2.
Data in columns 2 and 3, together with the preselected MW deiimiter, are
used to calculate the probability of system demand in each hour exceeding
the level of the MW delimiter. These probabilities called "Excess
Probability"” are listed in column 4. As before, the Gordian Associates
report does not explain how this calculation is performed. These
probabilities are then multiplied by an adjustment factor to account for
the differing number of days in each subgroup. They are listed as

"Frequency Adjusted Probability" in column 5.

"Relative Weightings" are then computed in the same manner as in table
2-1, that is, the hourly frequency adjusted probabilities in column 5 of

table 2-2 are summed across all subgroups of the year, and each hourly

251bid,, pp. 64-65.
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TABLE 2-2

SAMPLE PROBABILITIES OF SYSTEM LOAD APPROACHING
A PEAK LEVEL FOR LILCO FOR WEEKDAYS, JUNE 1976

(@D)] (2) (3) %) (5) (6)
FREQUENCY
STANDARD EXCESS ADJUSTED RELATIVE
AVERAGE ~ DEVIATION  PROBABILITY  PROBABILITY  WEIGHTINGS
HOUR (MW) (MW) (%) (%) (%)
100 1277.1 129.1 0.0 0.0 0.0
200 1142.8 112.8 0.0 0.0 0.0
300 1071.3 102.7 0.0 0.0 0.0
400 1037.9 93.7 0.0 0.0 0.0
500 1023.3 87.5 0.0 0.0 0.0
600 1023.8 82.9 0.0 0.0 0.0
700 1127.9 84.8 0.0 0.0 0.0
800 1403.2 13.8 0.0 0.0 0.0
900 1683.3 148.5 0.0001 0.0001 0.00
1000 1891.3 183.8 0.0255 0.0258 0.10
1100 2007.2 195.5 0.1071 0.1084 0.42
1200 2064.0 215.9 0.1945 0.1968 0.76
1300 2067.9 224,2 0.2083 0.2108 0.81
1400 2082.3 234,2 0.2369 0.2398 0.93
1500 2088.3 243.0 2.2528 0.2558 0.99
1600 2096.9 252.6 0.2722 0.2754 1.06
1700 2111.8 247.0 0.2880 0.2914 1.13
1800 2117.1 237.5 0.2879 0.2914 1.13
1900 2030.3 225.3 0.1648 0.1667 0.64
2000 1952.7 211.1 0.0795 0.0804 0.31
2100 2003.4 195.5 0.1036 0.1048 0.41
2200 2003.6 198.4 0.1072 0.1084 0.42
2300 1794.9 173.5 0.0044 0.0044 0.02
2400 1525.3 149.0 0.0 0.0 0.0

Source: Gordian Associates, Inc., A Review and Evaluation of Methods for
Selecting Rating Periods, prepared for the Electric Utility Rate
Design Study (Palo Alto, Calif.: Electric Power Research
Institute, February 8, 1980), table 7
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frequency adjusted probability is divided by that sum. These relative
weightings as shown in column 6 are used to assign hourly cost
responsibilities for transmission capacity-related costs and distribution
capacity-related costs in the same manner as generating plant costs were

assigned in table 2-1.

Matching Costing Periods with Running Costs

Before rating periods are selected, LILCO states that marginal running
costs (fuel and variable operation and maintenance expenses) must be
determined for the test year. Because of the need to group these costs
into potential costing periods, an attempt is made to determine those
periods where running cost variations within potential costing periods are
less than variations among potential costing periods.26 Hourly marginal-
running costs are determined by LILCO for the 12-month period, using a
system cost simulation model. Weighted average hourly marginal running
costs are then computed for those groups of hours (costing periods) that
represent similar hourly marginal running costs. These potential costing
periods are then combined with those determined by the "standing" cost
accountability criteria (procedure A) in order to accomplish the selection
of the final costing periods. These periods are used to assign hourly cost
responsibility for generation plant. The costing periods defined through
procedure B are used to assign hourly cost responsibility for transmission

and distribution demand-related plant.

LILCO states that the final selection of costing periods under
procedures A and B is a subjective process based on the five selection
criteria as outlined above.2’/ LILCO decided at the beginning of its
analysis that three costing periods (on-peak, off-peak, and intermediate)
would provide sufficient differentiation of customer cost responsibility,
satisfy the metering constraint, and be comprehensible to customers. The

results of methods A and B and of the hourly marginal running cost analysis

26Richard W. Bossert, op. cit,, p. 99.

27Gordian Associates, Inc., op. cit., p. 67.
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were analyzed in terms of their relative levels across the 24-~hour daily
cycle and across the various subgroups of the year. Periods with
relatively low capacity cost responsibility and relatively low-running cost
responsibility were defined as off-peak, Periods with relatively high=-cost
responsibility were grouped as on-peak. All other times were defined as
intermediate. In addition, past experience and company forecasts indicated
an increasing likelihood of Saturdays during June through September having
a peak potential. Thus, the company concluded that the on-peak period

should be expanded to include Saturdays.

LILCO states that costing periods should be understandable so that
customers have an opportunity to respond. LILCO also recommends that
costing periods be broadly, rather than narrowly, defined because (1)
narrow periods are less stable in their relative costs, and (2) broadly
defined periods, in the long run, are more likely to give correct relative

price signals.,

Several sets of costing periods may be established through the LILCO
method according to the load curves of individual customer classes. These
sets of costing periods may be offered simultaneously within and between
customer classes to improve diversity, especially in costing period
"fringe"” hours where system load shifting may otherwise occur.

The rating periods in the LILCO study are summarized as follows:

ON-PEAK: 10:00 a.m.~10:00 p.m., Monday-Saturday, June-September

OFF-PEAK: Midnight-7:00 a.m., all days, year-round

INTERMEDIATE: All remaining times

7:00 a.m.~10:00 a.m., 10:00 p.m.-midnight, Monday-Saturday

June-September
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7:00 a.m.,~midnight, Monday-Saturday, October-May

7:00 a.m.-midnight, Sundays, year-round.

Costing Period Selection: An Overview

All of the methods for selecting costing periods for time-of-use rates
outlined in this chapter state that the selection of costing periods should
be related to, and accurately reflect, underlying differences in costs of
service. The reflection of actual costs of service, however, should be
tempered by the additional criteria that practical ratemakers need to take
into consideration. These criteria include metering and administrative
costs, customer acceptance and understandability, customer response to
price differentials, and pricing and revenue stability. These criteria

necessarily introduce judgment into the costing process.

The four methods of selecting costing periods use various devices to
measure the costs of service during peak and off-peak hours. The Ebasco
method analyzes daily and seasonal system load curves as a surrogate for
costs of service in conjunction with information on available generating
capacity and firm interchange power toc derive costing periods. The NERA
method relies on variations in hourly loss-of-load probability as a measure
of capacity-related costs of service. However, since hourly LOLP data are
seldom available, NERA relies on hourly system load data as a substitute.
The NERA method apparently does not consider generating capacity
availability in its selection of costing periods. Neither NERA nor Ebasco

considers variations in marginal running costs,.

The Ontario Hydro method computes two distinct sets of costing
periods. One is based on variations in marginal energy costs and another
on variations in marginal capacity costs by using hourly system load data
as a substitute. The resulting sets of costing periods from these two

analyses are then combined to produce one comprehensive set of periods on

both a seasonal and daily basis,
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The LILCO method selects costing periods based on three measures of
system costs of service. First, it determines the probability of having no
excess generating capacity based on variations in generating costs and
available generating capacity. But again, since data on hourly generating
costs are generally not available, this procedure relies on variations in
system load. The second procedure determines the probability that each
hour during the year will approach a peak demand level, This analysis also
relies on system load data and the selection of a MW delimiter. This
procedure is used to allocate transmission and distribution-related costs

to the periods.

The third measure of system costs of service relies on hourly marginal
running (variable) costs to compute possible costing periods. The results
of this analysis are combined with those of the first procedure to derive
costing periods for the allocation of generation capacity-related and

energy-related costs.

The above discussion points out that all of the four methods of
selecting costing periods rely on variations in system load as a substitute
for variations in generating capacity costs. All four methods also use a
considerable amount of judgment in the final determination of costing
periods in order to take account of various nonquantifiable costing
criteria. The Ontario Hydro and LILCO methods use statistical analysis to
assure that the variation in costs between potential costing periods is
greater than the variation within these periods. However, where
nonquantifiable criteria such as revenue stability and customer
understandability and acceptability are taken into consideration, it is
uncertain that these statistical methods produce results that are more
reliable than those of the Ebasco or NERA methods that rely less on

statistical measures.

The Ontario Hydro method also states specifically the practical
restrictions it considers in the selection of costing periods. Although

this procedure does not eliminate the use of judgment within the analysis,



it does provide a basis upon which to judge the final selection of costing

periods.

Several of the methods take into consideration available generating
capacity in determining costing periods, although it is never specified
exactly how this factor is considered within the analysis. Also, several
of the methods consider variations in marginal-running costs in addition to
system load characteristics in selecting costing periods. Because
variation in marginal-running costs generally follow variations in system
load, and since costing periods are usually défined broadly to avoid peak
chasing and to provide revenue and rate tariff stability, the analysis of
variations in marginal-running costs, may be an appropriate mechanism to
test the accuracy of costing period selection based on variations in hourly
system load data. An added benefit is that hourly marginal-running cost

data is generally available to commissions.

The LILCO method is the only one of the four that considers
transmission and distribution capacity-related costs of service. These are
allocated to costing periods on the basis of system load reaching a peak
condition. The LILCO method does not specify why this procedure is an

appropriate way to assign these costs to selected costing periods.

The Ontario Hydro and LILCO methods rely on computer programs to
measure the variability of costs or system load within and between sets of
possible costing periods. This reliance may present a problem to those
commissions which do not presently have the necessary computer equipment or
expertise to perform the analysis. Also, as noted above, at the conclusion
of the statistical analysis, both of these methods rely on various
judgmental factors for the final selection of costing periods. Since the
use of nonquantifiable criteria is a necessary part of the costing process,
much of the gain in precision achieved through the computer analysis may be

lost once these criteria are taken into account.
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CHAPTER 3

SELECTING COSTING PERIODS USING
THE LOAD FREQUENCY AND DURATION (FRED) DATA ANALYSIS PROGRAM

Although system load data may be analyzed for the purpose of
establishing costing periods for time-of-use rates without the use of a
computer program, the NRRI has developed a program for this purpose that is
both easy and inexpensive to operate. This computer program analyzes
hourly system load data to compute hourly average load curves and hourly
peakload curves,l These curves, in combination with other costing
criteria, may be used to derive seasonal and daily costing periods for use

as a basis for TOU rates.

This program, known as the Load Frequency and Duration Data Analysis
Program, or FRED, may be used with either a marginal or average costing
methodology. By specifying certain restrictions on the selection of
costing periods similar to those used in the Ontarioc Hydro method that take
into account the nonquantifiable criteria of utility ratemaking, a commis—
sion may use the output from FRED in conjunction with these restrictions to
derive costing periods. This combination has the benefit of simplicity of
computation and explicit statement of those nonquantifiable but practical
restrictions placed upon the selection of costing periods. I1f deemed
necessary, the results of this process may be checked for accuracy by
analyzing system hourly marginal-running costs and comparing the costing
periods derived from this analysis with those produced using FRED. This
additional step would help assure that those costing periods selected

accurately reflect actual differences in costs of service.

An example of this proposed method follows after a description of the

operation and output of the FRED program.

lg, Nakamura, et al., Electric Utility Analysis Package (Columbus,
Ohio: The National Regulatory Research Institute, October 1977), chap. 2.
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Description of the FRED Program

The FRED program was developed by the NRRI at The Ohio State
University (OSU) to calculate and plot the load frequency, load duration,
and load probability curves of an electric utility system for specified
periods of time. FRED also computes hourly average load curves and hourly
peakload curves for use in selecting daily costing periods. The hourly
system load data in the Edison Electric Institute (EEI) format is the basic
source of data input. The FRED code provides the means of analyzing the
characteristics of the electric load and alsc provides inputs for other
computer programs that were developed at The Ohio State University and
available at the NRRI for further analysis of electric utility operating
characteristics.2 The FRED program is placed in disk storage for use at
the time-sharing option (TSO) terminals at the Ohio State computer

facilities or can be used at a commission's own computer facilities,

The input to the FRED code consists of daily hourly load data in
megawatt-hours for a 12-month period. These data are stored in disk memory
by company and year. The names of the hourly load data sets stored in the
disk space are printed during the execution of the program. The user of
the code has the option of using data from one hour of any day to data for
the full year. The load frequency and load duration curves are calculated
by arranging the data in order of load magnitude, that is, the data are
ordered from the lowest hourly usage to the peak hourly usage, regardless

of the time of day when the usage occurred.

The load frequency curves show megawatt-hours on the x-axis, ranging
from just below the minimum hourly load to just above tBe peak hourly
usage. On the y-axis, the number of hours for which the system load was
greater than or equal to the x-axis load value but less than the next

x—-axis load value is given. The load duration curve shows on the x-axis

2These computer programs are the MARC-3a, MARC-3B, WASP and LOAD
CONTROL programs. For a discussion of these programs and their uses, see
S. Nakamura, et al.,, op. cit., chaps. 3 and 4.
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the number of hours during which the system load exceeded the load value on

the y-axis.

The load probability curve displays megawatts of system load on the

x-axis and the probability of meeting or exceeding that load on the y-axis.

Since the loads are ordered from the lowest hourly usage for a particular

period (baseload) to the highest (peakload), the probabilities range from

one to nearly zero. For ease of printing, the load probability curve is

shifted so that the loads increase and the probabilities decrease from the

top to the bottom of the page.

The FRED code can be used to calculate and display the following:

].0

For the given period, determine the peak system demand and the
month, day, and hour it occurred, the load factor for the period,
and the megawatt-hours generated for the period.

List the hourly load data for a given period.

Calculate and plot the load frequency curve for a given period.
Calculate and plot the load duration curve for a given period.
Calculate and plot the load probability curve for a given period.
Calculate, list, and plot the average hourly load for each day of
the week for a given period.

Calculate, list, and plot the peak hourly load for each day of the

week for a given period.

The user has the option of selecting any combination of outputs 2 through

7; output 1 is always given.

In specifying the period for analysis, the user has several options.

These are listed below:

L.

Specify the starting month and day of the period and the ending
month and day (these are inclusive days).
Within that period, specify the days'of the week to be included in

the calculations.

I-39



3. Specify the range of hours within each day to be used in the
calculations (these are inclusive hours).

4. Specify a range of hours within those hours specified in item 3
not to be included in the calculations (these are exclusive

hours).

For example, using these four options, the user could choose to analyze’
hourly load data for the period May 15 through August 10, for weekdays only
(excluding holidays), for the hours starting at 10:00 a.m. and ending at

7:00 pem., excluding the hours of 12 noon and 1:00 p.m.

In summary, the many optidns for selecting output and specifying the

periods for analysis give FRED much versatility.

Example Procedure for Selecting Costing

Periods Using FRED

The remainder of this chapter contains an example procedure for the
selection of seasonal and daily costing periods for an electric utility
using the FRED computer program. The data anélyzed by the FRED program
consist of hourly system load data (in megawatt-hours) supplied by the
Public Service Company of Colorado fér the 12-month period, June 1979
through May 1980. This example procedure is intended to illustrate how a
comprehensive set of costing periods may be derived for an electric utility
based on an analysis of hourly system load data in conjunction with a set
of practical restrictions or critéria designed to take into consideration

those nonquantifiable aspects of utility rate setting.

A set of criteria or restrictions for the selection of costing
periods, similar to those outlined in the Ontario Hydro method, may be
selected by the Colorado commission staff. These restrictions are intended
to reflect the actual load characteristics of the particular utility, and
while based largely on judgment, reflect the analyst's knowledge of the
company and its service territory. These restrictions are intended to aid

in the selection of a set of costing periods that adequately reflect
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variations in costs of service while at the same time are understandable
and equitable to customers and produce rate stability and revenue stability

for the company.

The selection of costing period criteria is not a part of the FRED
program itself but rather allows the analyst to establish a framework
within which he may analyze company load data. These criteria apply to
both seasonal and daily costing period selection and might include the

following:

Seasonal Restrictions

I. A maximum of two seasons each composed of consecutive months.

2. A minimum duration of four months.

3. Each season starts at the beginning of a month.

4. The summer peak day must be in one period and the winter peak day

in the other.

Weekly Restrictions

1. ©Each week within a particular season must be treated identically.
2. A maximum of three periods within the week (peak, off-peak and

shoulder).

3. Weekends and holidays are considered to be off-peak.

Daily Restrictions

1. = Each weekday must be treated identically.
2. The daily peak period must have a minimum duration of four hours.
3. Only one daily peak period of comnsecutive hours is permissible.

4. Costing periods may not overlap.
The selected restrictions should reflect a common sense approach to

the task of establishing costing periods. These restrictions should be

decided upon at the outset of the analysis but may be changed during the
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course of the analysis if it is found that they do not adequately reflect

the load characteristics of the company.

For example, the first seasonal restriction listed above states that
there may be only two seasonal costing periods, each composed of
consecutive months. These criteria may have been selected because the
analyst feels that a seasonal peak and off-peak period adequately reflects
the differences in costs of service of the company and that additional
seasonal periods would only serve to confuse ratepayers. However, upon
examination of the utility's annual load curve, the analyst may discover a
pronounced peak, off-peak, and intermediate load pattern. The analyst,
then, may alter the seasonal restricts and include one or more intermediate
seasonal éosting periods in the analysis if it is felt that the revised
restrictions more accurately reflect actual service territory )
characteristics without causing undue harm to customer acceptance and

understandability.

The remaining restrictions outlined above also reflect an attempt to
balance the various goals of rate setting. For example, the requirement
that each season start at the beginning of a month reflects the fact that
most customers are billed on a monthly basis and would receive mixed price
signals if rates were altered in the middle of a billing period. The
requirement that each week and weekday in a period be treated identically
is intended to avoid customer confusion at the risk of sacrificing some
accuracy in reflecting costs of service since daily load patterns often
vary over the course of the week. The minimum duration restrictions on
seasonal and daily costing periods are designed to provide customers with
enough time to react to the price variation between periods and at the same
time define the periods broadly enough to avoid peak chasing and revenue

instability.

Selection of Seasonal and Daily Costing Periods

The FRED program can be used to calculate and display the system peak
demand, the day and hour at which it occurred, and the total megawatt-hours

generated for a particular period. If these data are calculated on a
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monthly basis, they can be used to select the seasonal costing periods in

conjunction with the seasonal restrictions outlined above.

Once the seasonal costing periods are selected, FRED can be used to
calculate, list, and plot the average and peak hourly load for each day of
the week for the two seasonal periods. From these data and curves, the
daily peak and off-peak hours can be determined as explained below. This
selection of daily costing periods would alsc take into consideration those

practical restrictions outlined by the commission staff.

Table 3-1 shows sample output data derived from the FRED computer
program for the Public Service Company of Colorado (PSCO) for the 12-month
‘period, June 1979 through May 1980. Input data for the FRED program, from
" which these sample output data were derived, consist of hourly system load
data for the ]2-month period supplied by PSCO. Table 3-1 lists for each
month in the period being analyzed the system peakload in megawatts, the
dgy and hour of the month when the system peak occurred, the monthly system

load factor, and the total megawatt-hour (MWh) sales for each month.

These data show that PSCO experienced its maximum annual peakload of
2,755 MW on August 6, 1979. According to the restrictions outlined above,
this summer peak must be included in one of the selected seasonal costing
periods. The data in table 3-] also indicate that PSCO experienced its
secondary or winter period system peakload of 2,675 MW on January 28, 1980.
Again according to the costing period restrictions, this secondary peak

must be included in a second seasonal costing period.

Figure 3-1 is a plot of the monthly system peakloads listed in table
3-1. This figure demonstrates that for the 12-month period under analysis
PSCO's monthly system load increased from June through August 1979, at
which time it reached its maximum, and then declined through September and
October 1979 before again increasing to a secondary peak level in January

1980, after which it again declined through the remainder of the period.

Based on this annual system load curve and the seasonal restrictions

outlined above, two seasonal costing periods were selected for PSCO. The

I-43



TABLE 3-1

SAMPLE OUTPUT DATA FROM THE FRED COMPUTER PROGRAM FOR PUBLIC SERVICE
COMPANY OF COLORADO FOR THE 12-MONTH PERIOD, JUNE 1979
THROUGH MAY 1980

System Monthly System Total

Peakload Day and Hour Load Factor Megawatt-

Month (MW) of Occurrence (%) Hour Sales
June 1979 2,588 June 28: 4:00 p.m. 72.0% 1,341,324
July 1979 2,678 July 13: 4:00 p.m. 74.2 1,478,564
August 1979 2,755% Aug. 6: 5:00 p.m. 70.2 1,438,667
September 1979 2,529 Sept. 10: 2:00 p.m. 72.1 1,313,057
October 1979 2,499 Oct. 29: 6:00 p.m. 72.4 1,345,550
November 1979 2,562 Nov. 26: 6:00 p.m. 76.2 1,406,100
. December 1979 2,618 Dec. 11: 7:00 p.m. 74.1 1,442,606
January 1980 2,675%% Jan, 28: 7:00 p.m. 75.6 1,505,251
February 1980 2,552 Feb. 7: 7:00 pem. 77.5 1,376,521
March 1980 2,469 Mar. 3: 7:00 p.m. 78.2 1,436,896
April 1980 2,372 April 1: 8:00 p.m. 77.2 1,318,089
May 1980 2,244 May  22: 3:00 p.m. 77.4 1,291,525

* System annual peakload (summer period).
** System secondary (winter period) peakload.

Source: System hourly load data provided by company and FRED computer
program
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Figure 3-1 Monthly system peakloads for Public Service Company of Colorado for the period June 1979 through
May 1980

Source: System hourly load data supplied by the company and the FRED computer program



seasonal restrictions require that the months of the annual system peak and
the secondary system peak each be in separate seasonal costing periods.

The months of October and November appear to represent a transition between
the summer (peak) and winter (off-peak) seasons, since system load reaches
a minimum here and then rises again for several successive months. The
same is true for the months of May and June. On this basis, a peak season
costing period consisting of the months of June through October and an
off~-peak season period consisting of the months November through May were
selected for PSCO. Sample logon and execute operations for FRED, using a
TSO computer terminal, and sample output data for several months in the
annual period from which the data in table 3-1 and figure 3-1 were derived

are contained in appendix A.

With the seasonal costing periods selected, the next step is to select
the daily costing periods within each season. The FRED program is used to
print and plot the hourly average load data and hourly peakload data for
each day of the week for the months in which the system annual peak and the
system secondary peak occurred. FRED prints and plots separately the data
for each day of the week, Monday through Sunday. FRED also provides
separately the hourly load data for holidays, for all weekdays, and for all
weekend days. Sample logon and execute procedures using a TSO computer
terminal and sample output data for PSCO for August 1979 (the month of the
system annual peak) and for January 1980 (the month of the system secondary
peak) are provided in appendix B. From these data, the daily costing

periods for each seasonal costing period may be derived.

Before using these data to select daily costing periods, a system peak
condition load level must be defined. The system peak condition load level
is essentially the same concept as the MW delimiter used in the LILCO
method discussed earlier. It is not the actual annual system peakload but
an estimate of that level of system load that represents a peakload

condition being approached on the system.

The selection of a system peak condition load level is largely a
matter of judgment. It should represent that level of system load which
accurately describes an approaching peakload condition. This load level

may be estimated through various methods such as an average of system peaks
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experienced by the company during the peak months, the system load level
reached when the next-to-last peaking unit is placed on-line, the system
load level reached when power purchased from another system is necessary to
supply additional system load, the load level reached when the revenue
derived from additional peak period sales is less than the cost of
additional generation, or some other rule of thumb such as when the system

load is 90 percent of the annual system peak.

For the purpose of this example, the system peak condition load level
was selected as that load level representing 90 percent of the annual
system peak. The annual system peak for the 12-month period being analyzed
is 2,755 MW. Therefore, the system peak condition load level is 2,480 MW,
In selecting the daily costing periods, all hours of the day when the

system load is 2,480 MW or greater are defined as peak hours.

In reviewing the hourly system load data, the analyst should be
conscious of those hours during the day when the system load data
demonstrate a rapid build up or drop-off of system load. These hours
represent a natural transition among peak, off-peak, énd shoulder costing
periods. When selecting daily costing periods, the peak condition load
level selected for use in the analysis should correspond fairly
consistently with the actual build up and drop-off of load experienced on
the system. That is, if the hourly load data indicate that a rapid
increase in system load occurred between the hours of 9:00 a.m. and 10:00
a.m., but the selected peak condition load level indicates that a peak
condition was reached at 8:00 a.m., a review of the method used to select
the peak condition load level may be necessary. That is, these natural
transitions among system load levels should be taken into account when

selecting the MW delimiter.

A review of the daily load curves for August 1979 contained in
appendix B in combination with the selected ‘peak condition load level
produces a set of daily peakhours and off-peak hours as listed in table
3-2. That is, those hours of the day when the peak system load is 2,480 MW
or greater are selected as peakhours. All other hours of the day are

considered as off-peak hours.
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TABLE 3-2

PEAK SEASON DAILY PEAKLOAD AND DAILY PEAK AND OFF-PEAK HOURS
FOR PUBLIC SERVICE COMPANY OF COLORADO BASED ON
HOURLY SYSTEM LOAD DATA FOR AUGUST 1979

Peakload Time of
Day of Week (MW) Occurrence Daily Peak Hours Daily Off-Peak Hours
Mondays 2,755 5:00 p.m. 11:00 a.m. to 9:00 p.m. 9:00.p,m. to 11:00 a.m.
Tuesdays 2,752 4:00 p.m. 11:00 a.m. to 9:00 p.m. 9:00 pom. to 11:00 a.m.
Wednesdays 2,744 4:00 p.m. 10:00 a.m. to 6:00 p.m. 6:00 pem. to 10:00 a.m.
Thursdays 2,548 3:00 p.m. 12:00 p.m. to 6:00 p.m. 6:00 pem. to 12:00 p.m.
Fridays 2,615 3:00 p.m. 11:00 a.m. to 6:00 p.m. 6:00 pem. to 11:00 a.m.
Saturday<ns1:XMLFault xmlns:ns1="http://cxf.apache.org/bindings/xformat"><ns1:faultstring xmlns:ns1="http://cxf.apache.org/bindings/xformat">java.lang.OutOfMemoryError: Java heap space</ns1:faultstring></ns1:XMLFault>